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ABSTRACT 

Ten years of historical production, injection, and pressure data combined with a 

voluminous set of rock and fluid property data are utilized to illuminate the production 

induced saturation changes of the J1 and J2 sand reservoirs at Bullwinkle (Green Canyon 

Block 65).  A compositional reservoir simulation model is constructed for history 

matching water, gas, and pressure behavior to evaluate the mechanisms governing these 

behaviors.  Time-lapse seismic results (Swanston, 2001) and an independent production 

evaluation (Comisky, 2002) of the J1 and J2 sands are integrated as a qualitative 

comparison of production induced changes in 1997.   

Initial fluid properties are constrained by five PVT samples extracted from the J1 

and J2 sands.  An analysis of the PVT sample fluid properties indicate that the J1 and J2 

reservoirs are undersaturated and compositionally graded.  Based on this analysis an 

equation of state (EoS) fluid model is constructed that describes the compositional 

heterogeneities in depth.  This model establishes the initial fluids for simulation and is 

used to predict phase behavior through time. 

Rock and fluid interaction properties (capillary pressure and relative permeability) 

are characterized and modeled based on core data and a petrophysical analysis performed 

by Comisky (2002).  Comisky (2002) identifed six Flow Units (analogous to facies) in 

the J1 and J2 sands and assigned each constant rock properties.  Each Flow Unit is 

assigned specific relative permeability and capillary pressure behavior based on the 

constant rock properties interpreted by Comisky (2002). 

Production induced compaction effects on porosity and permeability are 

constrained using core data combined with a material balance approach.  Core data 
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indicate that pore compressibility initially increases and then decreases with increasing 

vertical effective stress.  This behavior is replicated using the Fetkovich (1971) material 

balance approach.  Porosity is calculated based on the changes in pore compressibility 

with vertical effective stress.  Permeability is empirically related to porosity, based on 

core data.  These porosity and permeability reductions are entered into the simulation 

model as functions of reservoir pressure. 

A 3-D compositional simulation model is constructed for history matching the J1 

and J2 reservoir production and pressure behavior.  The model is geologically 

constrained based on work by Swanston (2001) and Comisky (2002).  The dynamic rock 

and fluid properties are developed in this study.  The historical oil production and water 

injection are specified with the water production rate, gas production rate and pressure 

behaviors simulated and compared to ten years of historical data.  Initial results illustrate 

the need for adjustment of unconstrained properties (pore compressibility, relative 

permeability, sand connectivity).  A history match is achieved through 1997 that is 

supported by a production and pressure error analysis, time lapse seismic results by 

Swanston (2001) and an production evaluation by Comisky (2002).  The model is run in 

predictive mode through Sept. of 1999 and proves to be robust. 
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Chapter 1 

INTRODUCTION 

Numerical simulation of hydrocarbon reservoirs is typically performed to 

optimize and/ or predict the maximize hydrocarbon recovery of a modeled reservoir.  

This predictive tool is developed based on limited fluid, well, and core data that is 

characterized and modeled to mimic the static and dynamic properties under 

investigation.  These individual models of rock and fluid properties are combined to 

simulate production and pressure with the quality determined based on qualitative 

analysis of a match to historical data.  The results lead to the adjustment of the dynamic 

rock and fluid properties and sand connectivity such that future reservoir performance 

can be predicted based on the confidence of modeled historical behavior. 

Reservoir simulation is a tool that gives insight into dynamic rock and fluid 

behavior for reserve estimation and evaluation of past and future reservoir performance 

(Warner et al., 1979, Harris, 1975).  Mattax et al. (1990) stated that reservoir simulation 

might be the only reliable method to predict performance of large complex reservoirs.  

Additionally, simulation results, when combined with 3-D time-lapse seismic results, 

form a reservoir-monitoring tool for mapping changes associated with production 

(Landrø et al., 1999; Johnston et al., 2000) that can be used to understand past reservoir 

behavior for future prediction. 

This study uses ten years of production, injection, and pressure data combined 

with PVT data, whole core data, a petrophysical analysis (Comisky, 2002), and time-

lapse seismic results (Swanston, 2001) to model production induced changes in the J1 
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and J2 sand reservoirs, at Bullwinkle (Green Canyon Block 65) (Figure 1-1), for future 

assessment of hydrocarbon reserves.  The study focuses on the characterization, modeling 

and integration of data from multiple sources (whole core, PVT, well-log) and disciplines 

(Geology and Geophysics) to gain insight and an understanding of the dynamic behavior 

of the J1 and J2 sands. 

In this thesis, Chapters 2, 3, and 4 focus on the characterization and modeling of 

the components for reservoir simulation and Chapter 5 discusses the modeling of the total 

J1 and J2 system.  Documented pressure communication (Holman and Robertson, 1994) 

and varying producing gas-oil ratios in depth (Appendix A), are supported by PVT data 

and are the basis for construction of a compositionally graded equation of state fluid 

model, which is discussed in Chapter 2.  A petrophysical analysis performed by Comisky 

(2002) establishes six Flow Units (analogous to facies) each having constant rock 

properties that form the basis for the development of capillary pressure and relative 

permeability behavior as discussed in Chapter 3.  In Chapter 4, a model for production 

induced rock compaction and the effects on porosity and permeability is developed.  

Finally, in Chapter 5 a simulation model is constructed for history matching production 

and pressure behavior using geophysical (Swanston, 2001) and geologic (Comisky, 2002) 

interpretations combined with the dynamic models developed in this thesis. 
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Figure 1-1: Location map showing the Bullwinkle oil field in relation to the Gulf of Mexico and the 
Texas, Louisiana coastline.  Bathymetric contours are in meters at a contour interval of 500 m.  The 
Bullwinkle Field is located 240 km (160 miles) southwest of New Orleans in blocks 64, 65, 108, and 
109 of the Green Canyon region. 
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BACKGROUND 

Green Canyon Block 65, “Bullwinkle” 

The Bullwinkle field (Green Canyon Blocks 64, 65, and 109) is a deepwater 

oilfield located approximately 150 miles southwest of New Orleans, Louisiana in the 

Gulf of Mexico (Holman et al. 1994) (Figure 1-1).  Shell Offshore Inc. discovered the 

prospect in 1983 with initial production beginning in July of 1989 (Holman et al. 1994).  

A conventional fixed platform was installed in 1353 ft. of water and designed to produce 

59,000 stock tank barrels of oil per day (STB/D) and 100 million standard cubic feet of 

gas per day (MMSCF/D) (Parjus et al., 1996).  The field has produced over 130 MMBOE 

to date and is anticipated to produce an estimated 160 MMBOE of the estimated 260 

MMBOE originally in-place.  The prolific “J” sand package (J1, J2, J3, J4) contains over 

90% of the field reserves (Holman et al., 1994) with approximately 70% from the J1 and 

J2 sands collectively.   

The J-sands are interconnected sheet and channel turbidity sands of Nebraskan 

age (3.35 Ma) (Flemings et al., 2001).  The hydrocarbon bearing reservoirs are located on 

the north-west flanks of a salt withdrawal minibasin and span within a vertical distance 

between 10600 ft to 12415 ft subsurface true vertical depth (SSTVD).  Rock properties 

are of high quality with core porosities ranging from 29% to 33% and permeabilities of 

several darcies (Comisky, 2002). The hydrocarbon fluids of the J-sand reservoirs are 

mostly undersaturated oil, having API gravities ranging from 30o to 27o over a vertical 

column height of 1400 ft (Westrich et al. 1999).  These rock and fluid properties 

combined with exceptionally high pore compressibilities (10E-6 to 80E-6 psi-1) 
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(Flemings et al., 2001) and a well-connected aquifer make the J-sands a compaction 

drive/ water drive system. 

The focus of this study is on the J1 and J2 sands, which contain the largest 

volume of hydrocarbons within the J-sands and within the Bullwinkle minbasin.  These 

sands average between 30 and 100 ft. in thickness with the J1 located vertically above the 

J2 separated by 0-50 ft. of shale.  The J1 sand has well defined seismic boundaries, while 

the J2 aquifer was mapped to the southern boarder of the seismic survey (Swanston, 

2001), which is used as a region of water influx (Appendix A: Figs. A.1, A.2).  Both, the 

J1 and J2 sands contain two reservoirs each, the RA reservoirs to the northeast and the 

RB reservoirs in the northwest.  These reservoirs (RA and RB) are different in 

hydrocarbon type (Westrich et al., 1999) and separated by a permeability barrier.  Pre-

production seismic surveys delineate the oil-water contacts in both sands (Swanston, 

2001).  Gas-oil contacts located in the eastern RA reservoirs are defined by well-logs and 

production data (Comisky, 2002).  Ten years of historical production data, time-lapse 

seismic results (Swanston, 2001), and a production analysis (Comisky, 2002) indicates 

that the oil-water contact moves updip with minimal drops in late time pressure.  It is 

assumed that the aquifer size is fixed through time and not increasing, thus the late time 

pressure support is considered to be due to compaction. 
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Chapter 2 

CHARACTERIZATION AND MODEL OF THE 
COMPOSITIONAL VARIATION OF THE J1 AND J2 RB 

RESERVOIRS AT BULLWINKLE 
 

Compositional variation within a single hydrocarbon reservoir is common (Sage 

et al., 1938; Shulte, 1980; Creek et al., 1985; Hirshberg, 1988; Hoier et al., 2000; 

Ratulowski et al., 2000).  Sage et al. (1938) showed that compositional variation may 

occur due to thermodynamic equilibrium in a gravitational field.  Hirschberg (1988) 

suggested that compositional variations in oils, with API gravity less than 35o (not close 

to critical conditions), are caused by asphalt segregation due to gravitational forces.  

Compositional variations can greatly impact the estimation of fluids in-place (Hirshberg, 

1988) as well as the prediction of fluid contacts and saturation changes. 

Hoier et al. (2000) described ten possible causes for vertical and horizontal 

compositional variations and presented a methodology for characterizing and modeling 

these variations.  Further, Hoier et al. (2000) described a methodology for composition 

interpolation within and extrapolation beyond the PVT data.  Creek et al. (1985) 

presented a case study of a compositionally graded reservoir and described a 

methodology and theory for predicting phase behavior as a function of depth.  Shulte 

(1980) presented an isothermal gravity-induced equilibrium model for the prediction of 

compositional variations in depth.   

The compositional variation in the J2-RB reservoir is characterized.  A 13-

component Equation of State (EoS) model is developed and model parameters are 

constrained based on fluid properties at a reference location in the J2-RB reservoir.  At 
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other locations, where PVT data are available, the EoS model predicts the observed phase 

behavior. The 13-component model is simplified to a 5-component model by lumping the 

components.  The fluid properties of the 5-component model closely duplicate the 

behavior of the fluids in the PVT data.  A linear least-squares regression is used to fit a 

trend line to the modeled 5-component mole fractions.  Finally, two methods of mole 

fraction extrapolation (constant and linear) are used to predict fluid properties updip 

where no PVT data are present. 

 

J-sand Fluid Characterization 
 
The J-sands, at Bullwinkle, contain six hydrocarbon reservoirs that are in pressure 

communication through a common aquifer.  The J1-RA, J2-RA, and J3-RB reservoirs are 

gas-cap reservoirs, the J4-RB is an undersaturated oil reservoir, and the J1-RB and J2-RB 

are undersaturated, and compositionally graded, reservoirs. 

 
PVT Sample Description 

 
Eight pressure-volume-temperature (PVT) samples were obtained, by Shell Oil 

Co., from four of the J-sand reservoirs (Table 2-1, Figs. 2-1, 2-2).  These PVT samples 

were collected prior to and during production (Table 2-1).  A cross-section of the J-sand 

RB reservoirs illustrates the fluid types and shows the vertical position of the PVT 

samples (Figure 2-3).  No PVT samples were obtained from the J-sand RA reservoirs. 

 

 PVT Sample Properties 
 

The J2-RB reservoir was sampled at 5 locations that span a vertical range of 962.5 

feet (Figure 2-3, Table 2-1).  With increasing depth, there is a decrease in the proportion  
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Figure 2-1: J1 sand structure map. Reservoir A (RA) is a gas-cap reservoir separated by a 
permeability barrier from Reservoir B (RB). One PVT sample (A-1) was obtained from the 
undersaturated RB reservoir (Table 2-1).  Cross-section (A-A’) is shown in Figure 2-3.  Fluid 
contacts and sand boundaries are based on seismic and well data (Swanston, 2001). 
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Figure 2-2: J2 sand structure map. Reservoir RA is a gas-cap reservoir separated by a permeability 
barrier from Reservoir RB. Five PVT samples were obtained from the undersaturated RB reservoir: 
samples 109-1 (#1), A-2-BP (#2), A-3-BP (#3), A-4-BP (#4), and A-5-BP (#5) (Table 2-1).  Cross-
section (A-A’) is shown in Figure 2-3.  Fluid contacts and sand boundaries are based on seismic and 
well data (Swanston, 2001). 
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Figure 2-3: Cross-section of J-sand RB reservoirs depicting initial fluid types, fluid contacts, and 
vertical location of the PVT samples.  Map view of the J1 and J2 sands shown in Figs. 2-1 and 2-2, 
respectively.  The J3 and J4 sands are not shown. 
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Table 2-1: PVT sample data for J-sand reservoirs 

Sample 
# Well Reservoir Sample 

Date 

Initial 
Reservoir 

Pressure (psi)

Reservoir 
Temperature 

(oF) 

SSTVD 
(ft) 

 Sample 
Type 

* pi - psample 
(psia) 

1 A-1 J1-RB 10/24/89 7926 160 11562.2 Surface Sep 95 
2 109-1 J2-RB 7/4/84 8487 160 12063.5 RFT 0 
3 A-2-BP J2-RB 10/24/89 8504 163 11886.6 Surface Sep 95 
4 A-3-BP J2-RB 1/30/90 8350 160 11463.4 Surface Sep 160 
5 A-4-BP J2-RB 10/23/89 8653 169 12300.7 Surface Sep 95 
6 A-5-BP J2-RB 1/31/90 8600 162 12099.2 Surface Sep 160 
7 A-31 J3-RB 9/23/91 7919 165 11635.3 Surface Sep 560 
8 A-35 J4-RB 9/23/91 7881 166 11528.9 Surface Sep 560 

* Production while drilling (PWD) operations commenced in July of 1989. The pressure drop from initial pressure (Pi)  to 
the date of the sample pressure (Psample) is recorded in the last column of Table 1. Pi = 8555 psia @ 12070 ft. SSTVD 

 Surface Sep refers to fluid samples extracted from the platform test separator and recombined in the laboratory.  A Repeat 
Formation Test tool (RFT) was used to extract fluids from the down whole location in the 109-1 exploration well. 

 

Table 2-2: Reported PVT sample mole fractions for the J1-RB (A-1) and J2-RB 

  A-3-BP A-1 A-2-BP 109-1 A-5BP A-4-BP 
CO2 0.0016 0.0011 0.0010 0.0006 0.0010 0.0009 
N2 0.0011 0.0011 0.0011 0.0054 0.0025 0.0009 
C1 0.6729 0.6695 0.6398 0.5425 0.6147 0.6038 
C2 0.0413 0.0413 0.0397 0.0389 0.0400 0.0347 
C3 0.0324 0.0333 0.0338 0.0301 0.0353 0.0332 
IC4 0.0072 0.0075 0.0078 0.0070 0.0082 0.0085 
NC4 0.0149 0.0162 0.0164 0.0151 0.0175 0.0175 
IC5 0.0072 0.0076 0.0080 0.0074 0.0088 0.0087 
NC5 0.0090 0.0093 0.0101 0.0091 0.0110 0.0107 
C6 0.0174 0.0222 0.0253 0.0174 0.0243 0.0251 
C7+ 0.1950 0.1909 0.2170 0.3265 0.2367 0.2560 

 
 

Table 2-3: Reported PVT sample bubble point pressure fluid properties from differential test for J-
sand reservoirs 

Well Depth 
(ft.) Reservoir 

Bubble 
Point 
(psi) 

Bo 
(Res. 

Bbl/STB) 

Differential 
GOR 

(SCF/STB)

Viscosity 
(cp) 

Compressibility 
(10-6 psi-1) 

Density 
(gm/cc) 

A-3-BP 11463.4 J2-RB 8100 1.772 1752 0.55 11.14 0.6605 
A-1 11562.2 J1-RB 7926 1.663 1540 0.57 10.34 0.6886 
A-2-BP 11886.6 J2-RB 7038 1.619 1328 0.65 10.97 0.7073 
109-1 12063.5 J2-RB 4907 1.382 809 1.03 10.75 0.7395 
A-5-BP 12099.2 J2-RB 6125 1.513 1118 0.77 10.53 0.7074 
A-4-BP 12300.7 J2-RB 5800 1.450 971 0.88 10.52 0.7151 
A-31 11494.0 J3-RB 7919 1.462 1085 1.26 8.87 0.7285 
A-35 11309.9 J4-RB 7881 1.487 1183 1.20 8.89 0.7262 
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of Methane (C1) and an increase in the proportion of the heavier hydrocarbons (C7+) 

(Figure 2-4).  Changes with depth in the mid-range hydrocarbons, CO2, and N2 are small 

relative to these changes (Figure 2-5, Table 2-2).  The methane and C7+ components 

make up 86% of the molecules of the hydrocarbon mixture, making them the controlling 

hydrocarbon components of the fluid properties (Figure 2-5, Table 2-2). 

The fluid properties reflect the change in composition that is observed (Table 2-

3).  The bubble point pressure (psat) and the differential gas-oil ratio (GOR) decrease with 

depth (Figs. 2-6, 2-7).  The density and viscosity increase with depth (Figs. 2-8, 2-9).  

The formation volume factor (Bo) and the oil compressibility decrease with depth (Figs. 

2-10, 2-11).  The 109-1 sample does not fall within the trend defined by the other 

samples; contamination by drilling fluids was reported, and we interpret that these data 

do not reflect the in-situ fluid properties. 

These data indicate that the J1 and J2 RB reservoirs are compositionally graded.  

Hirschberg (1988) stated that light hydrocarbon fluids (30o API), with high asphaltene 

concentrations (greater than 5%), will result in strong compositional variations. The J1-

RB and J2-RB have asphaltene concentrations of 9.1% and 11%, respectively (Table 2-

4), thus the observed compositional variation at Bullwinkle is comparable with 

Hirschberg’s prediction. 

The J1-RB sample has fluid properties and compositions that lie within the trends 

defined by the J2-RB (Figs. 2-4 through 2-11).  We interpret that it records the same 

compositional grading that is present in the J2-RB.   

The J3-RB and J4-RB reservoirs are different (Figs. 2-6 through 2-11).  The PVT 

fluid properties (psat, GOR, density, viscosity, and Bo) do not lie along the same trend as  
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Figure 2-4: Depth versus methane and C7+ mole percent for the J1-RB (A-1) and J2-RB PVT samples 
(Table 2-2).  The values, from top to bottom, are for the A-3-BP, A-1, A-2-BP, 109-1, A-5-BP, and A-
4-BP sample locactions.  The 109-1 PVT sample was collected using a bottom hole RFT that report 
contaminants.  
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Figure 2-5: J1-RB (A-1) and J2-RB PVT sample compositions (Table 2-2).  The 109-1 PVT sample 
was collected using a bottom hole RFT that report contaminants.  
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Figure 2-6: Depth versus bubble point pressure for J-RB PVT samples (Table 2-3). The J1-RB and 
J2-RB reservoirs show a near linear trend in depth except for the 109-1 sample.  The 109-1 sample 
was collected using a bottom hole RFT that report contaminants.  All other samples were collected 
from the platform test separator.  
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Figure 2-7: Depth versus differential test gas-oil ratio at bubble point pressure for J-RB PVT 
samples (Table 2-3).  A near linear trend of GOR in depth is observed for the J1-RB and J2-RB 
reservoirs.  
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Figure 2-8: Depth versus oil density (ρ) at bubble point pressure for J-RB PVT samples (Table 2-3).  
A near linear trend of density in depth is observed for the J1-RB and J2-RB reservoirs. 
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Figure 2-9: Depth versus oil viscosity (µ) at bubble point pressure for J-RB PVT samples (Table 2-3).  
A near linear trend of oil viscosity in depth is observed for the J1-RB and J2-RB reservoirs.  
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Figure 2-10: Depth versus formation volume factor (Bo) at bubble point pressure for J-RB PVT 
samples (Table 2-3).  A near linear trend of Bo in depth is observed for the undersaturated J2-RB 
and J1-RB reservoirs. 
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Figure 2-11: Depth versus oil compressibility (c) at bubble point pressure for J-RB PVT samples 
(Table 2-3). A near linear trend of oil compressibility in depth is observed for the J2-RB reservoir.  
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Table 2-4: Reported PVT sample C7+ properties for the J1-RB and J2-RB  

Well Depth 
(ft.) Reservoir Mole 

Fraction 
MW 

(gm/mole) 
Specific 
Gravity 

Weight % of 
Asphaltenes 

A-3-BP 11463.4 J2-RB 0.1950 268.9 0.8898 - 
A-1 11562.2 J1-RB 0.1909 282.2 0.8915 9.1 
A-2-BP 11886.6 J2-RB 0.2170 289.7 0.8992 11.0 
A-5-BP 12099.2 J2-RB 0.2367 273.7 0.8936 - 
A-4-BP 12300.7 J2-RB 0.2560 297.5 0.9022 - 
 
 

Table 2-5: PVT sample multi-stage separator GOR, producing GOR, and recombination GOR 

Well Reservoir SSTVD (ft) 
PVT Multi-Stage 
Separator GOR 

(SCF/STB) 

Producing GOR 
(SCF/STB) 

PVT Sample 
Recombination GOR 

(SCF/STB) 
A-3-BP J2-RB 11463.2 1541 1420 1039 
A-1 J1-RB 11511.2 1469 1460 1023 
A-2-BP J2-RB 11886.6 1234 1160 812 
A-5-BP J2-RB 12099.2 1096 925 685 
A-4-BP J2-RB 12300.7 840 830 593 
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that of the J2-RB.  Further, the J3-RB fluid is reported to be saturated at initial conditions 

(Figure 2-3).  The different fluid properties indicate separate hydrocarbon accumulations. 

 
Initial Production Behavior 
 

The initial production data, pressure and gas-oil ratio, are evaluated to gain insight 

into reservoir connectivity and the PVT data.  The J1, J2, J3, and J4 sands are in pressure 

communication (Appendix A), implying that these reservoirs are interconnected.  The J2-

RB producing GOR, decreases with depth (Figure 2-12).  This is compatible with the 

compositional trend that is present in the PVT data. 

Both the producing GOR and the PVT multistage separator GOR decrease with 

depth and the producing GOR is consistently lower than the PVT multi-stage separator 

GOR (Figure 2-13, Table 2-5).  PVT samples were collected from a surface separator and 

recombined to a measured GOR (Table 2-5).  The inaccuracies associated with this GOR 

measurement (Wang et al., 2001) may account for GOR differences. 

The J3-RB and J4-RB reservoirs show a different producing trend than the J1-RB 

and J2-RB reservoirs.  PVT data indicate that the J3-RB and J4-RB reservoirs were 

originally a gas-cap reservoir and an undersaturated oil reservoir, which is confirmed by 

the production data. 

 
Conclusions 

 
The J2-RB reservoir is an undersaturated, compositionally graded, oil reservoir.  

Five PVT samples show a near-linear gradation in composition and fluid properties in 

depth.  Only one PVT sample is available in the J1-RB reservoir.  However, the 

composition and fluid properties lie along the trend defined by the J2-RB.  Based on this,  
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Figure 2-12: Initial producing GOR and reservoir pressure versus time for J2-RB wells (Table 2-5).  
Initial producing GOR varies by 600 SCF/STB over an 800 ft. interval.  The arrow represents the 
initial production date in the J-sands.  Pressure data shown are from Shell Offshore Inc. and are 
referenced to a 12070 ft., SSTVD, datum (Appendix A).  
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Figure 2-13: Comparison of the initial producing GOR and PVT sample multi-stage separator GOR, 
for J1-RB and J2-RB samples (Table 2-5).  Data suggests that the recombined PVT samples are not 
representative of the in-situ fluids.  PVT samples were recombined to a measured GOR measured 
from a 4-hour test.  GOR values shown, from top to bottom, are from the A-3-BP (J2-RB), A-1 (J1-
RB), A-2-BP (J2-RB), A-5-BP (J2-RB), and A-4-BP (J2-RB) sample locations. 
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the J1-RB reservoir is interpreted to be compositionally graded with similar fluids to that 

of the J2-RB.  Additionally, the PVT sample compositions are observed to be lighter than 

the in-situ fluids.  

The J3-RB and J4-RB reservoirs contain different fluid types than the J1-RB and 

J2-RB reservoirs but are in pressure communication.  PVT and production differences 

observed in the J3-RB and J4-RB reservoirs suggest that communication must be present 

beneath the oil-water contact for these reservoirs. 

Model Development 
 

A compositional fluid model has been constructed for the J1 and J2 sands to 

model fluid properties.  A flow chart outlining the modeling procedure used here is 

presented in Figure 2-14.  The compositional model is developed using the Peng-

Robinson (PR) Equation of State (EoS) (Peng and Robinson, 1976).  The model is based 

on a PVT sample from which C7+ pseudo-components are derived, combined with pure 

components, and tuned to match PVT data.  The EoS model is lumped into a 5-

component model to reduce model complexity.  The mole fractions of the PVT samples 

are adjusted to match producing GOR.  Finally, the adjusted mole fractions are fit with a 

linear least squares regression, using linear and constant extrapolations updip beyond the 

last known PVT data. 
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Figure 2-14: Procedure for fluid property modeling.
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Reference PVT Sample 
 

Padua (1997) suggested that, for a compositionally graded reservoir, an EoS 

model should be developed using a sample at a middip location within the hydrocarbon 

column.  The A-2-BP PVT sample was chosen as the reference sample in the J2-RB 

reservoir (Figs. 2-2, 2-3). 

The PVT properties, from the reference sample, are used to develop a single set of 

EoS parameters that describe the volumetric and phase behavior of the J1 and J2 fluids.  

The heavy end (C7+) EoS parameters that are derived are tuned to match PVT data from 

constant mass expansion, differential liberation, flash liberation, and multi-stage 

separator experiments (Tables 2-6, through 2-10). 

 
Derivation of Heavy End Pseudo-Components 
 

DESKTOP-PVT version 1998.1 was used to model the behavior of the C7+ heavy 

ends.  The heavy end properties, from the reference sample, were modeled using Coat’s 

(1985) approach (Table 2-11).  Three pseudo-components (H1, H2, and H3) were derived 

based on PVT reported C7+ specific gravity, molecular weight, and mole fraction (Tables 

2-12, 2-13).  The C7+ heavy ends were treated as a continuous distribution that is divided 

into three groups based on molecular weight (M.W.) ranges.  The set of molecular weight 

ranges used here were; H1 = 96 to 250, H2 = 250 to 300, and H3 = 300 to 539.   

The C7+ EoS parameter correlations for critical temperature (Tc), critical pressure 

(Pc), and acentric factor (w) are based on work performed by Pederson et al. (1984).  The 

Cavett correlation (Cavett, 1962) was used to determine Tc and Pc for each pseudo-

component.  The Riazi-Daubert correlation (Riazi and Daubert, 1980) was used to 

determine the critical compressibility (zc) for each pseudo-component.  The Kesler-Lee 
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Table 2-6: Constant mass expansion PVT data for the A-2-BP 

Pressure 
(psia) 

Bt 
(V/Vsat) 

Density 
(gm/cc 

Compressibility 
(10-6 psi-1) ‘Y' Function 

9000   0.9801 0.7217 9.49 - 
8504 Res. 0.9849 0.7181 9.65 - 
8000   0.9898 0.7146 9.92 - 
7500   0.9950 0.7109 10.34 - 
7038 B.P. 1.0000 0.7073 10.97 - 

(TWO PHASE) 
6300   1.0155 0.6965 - 7.539 
5600   1.0363 0.6825 - 7.065 
4900   1.0662 0.6634 - 6.59 
4200   1.1105 0.6369 - 6.116 
3500   1.1792 0.5998 - 5.642 
2800   1.2929 0.5471 - 5.167 
2100   1.5011 0.4712 - 4.693 
1400   1.9546 0.3619 - 4.219 
700   3.4182 0.2069 - 3.744 

 

Table 2-7: Differential liberation PVT data for the A-2-BP.  The (*) represents the Bo and GOR for 
multi-stage separator conditions  

Pressure 
(psia) 

Oil 
Density 
(gm/cc)

Bo 
(Res. 

Bbl/STB) 

Bo* 
(Res. 

Bbl/STB) 

Oil 
Compressibility 

(10-6 psi-1) 

Differential 
GOR 

(SCF/STB)

Multi-Stage 
Separator 

GOR 
(SCF/STB) 

Oil 
Viscosity

(cp) 

9000   0.7217 1.5871 1.4671 9.49 1328 1234 0.920 
8504 Res. 0.7181 1.5948 1.4743 9.65 1328 1234 0.852 
8000   0.7146 1.6028 1.4816 9.92 1328 1234 0.782 
7500   0.7109 1.6112 1.4894 10.34 1328 1234 0.714 
7038 B.P. 0.7073 1.6193 1.4969 10.97 1328 1234 0.650 
6300   0.7243 1.5335 1.4176 8.52 1140 1039 0.748 
5600   0.739 1.4639 1.3532 7.98 982 914 0.819 
4900   0.7512 1.4071 1.3007 7.53 845 787 0.934 
4200   0.7622 1.3577 1.2551 7.13 721 672 1.067 
3500   0.7736 1.3108 1.2117 6.78 603 564 1.209 
2800   0.7854 1.2655 1.1698 6.43 489 458 1.407 
2100   0.7976 1.2218 1.1294 6.11 378 355 1.650 
1400   0.8107 1.1778 1.0887 5.79 266 251 2.176 
700   0.8262 1.1326  - 5.5 160  - 3.296 
15   0.8504 1.0470  - -  -  - 6.749 
15 @60F 0.8904 1.0000  - -  -  - -  
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Table 2-8: Gas differential liberation PVT data for the A-2-BP 

Pressure Specific Gravity 
(Air = 1.00) 

Deviation 
Factor 

Barrels of Gas in 
Reservoir Bt Calculated 

Viscosity 
(psia) Increm. Accum. (z) per MMCF (Bg)  (cp) 
7038 (Saturation Pressure) 
6300 0.8290 0.829 1.168 594 1.6450 0.0394 
5600 0.8192 0.8245 1.062 608 1.6744 0.0374 
4900 0.8102 0.8204 0.975 638 1.7155 0.0343 
4200 0.8022 0.8167 0.916 699 1.7825 0.030 
3500 0.7957 0.8133 0.883 809 1.8974 0.025 
2800 0.7902 0.8102 0.865 990 2.0970 0.021 
2100 0.787 0.8075 0.868 1325 2.4814 0.0174 
1400 0.7875 0.8054 0.895 2050 3.3557 0.0147 
700 0.8112 0.8059 0.941 4310 6.1684 0.0128 

15.025 1.2762 0.8624 1.000 213392 284.4421 0.0102 
 

Table 2-9: Flash liberation PVT data for the A-2-BP 

Type of 
Liberation 

GOR 
(SCF/STB) 

Bo 
(Res. 

Bbl/STB)

Stock Tank Gravity 
API @ 60oF 

Gas Gravity
Air = 1.00 

Reservoir oil 
to 0.0 psig & 
70 oF 1234 1.4969 29.6 0.6595 
Res. oil flash 
to 0.0 psig & 
70 oF 1297 1.6025 27.6 0.8476 
Differential @ 
160 oF 1328 1.6193 27.3 0.8624 

 
Table 2-10: Multi-stage separator PVT data for the A-2-BP 

Separator Pressure 
(psi) 

Separator 
Temperature (oF) 

Multi-Stage 
Separator GOR 

(SCF/STB) 

Gas Gravity 
Air = 1.00 

1500 165 916 0.6268 
500 85 168 0.6422 
70 85 97 0.7783 
35 60 30 0.8877 

15.025 60 23 1.2904 
 

Table 2-11: C7+ properties from the A-2-BP 

Molecular weight 289.70 
Specific gravity 0.8992 
Mole fraction 0.2170 
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Table 2-12: Derived heavy-end pseudo-component parameters for the A-2-BP 

Name M.W. Tc 
(oF) 

Pc 
(psi) Zc w Omega   

A Omega B Parachor Mole 
Fraction 

H1 159.85 709.6 333.8 0.2710 0.5021 0.4572356 0.077796 507.98 0.11843 
H2 271.01 990.6 192.8 0.2119 0.7623 0.4572356 0.077796 820.30 0.02125 
H3 493.72 1359. 183.8 0.2899 1.2217 0.4572356 0.077796 1635.00 0.07732 

 
 

Table 2-13: Derived heavy-end C1 binary interaction parameters 

Name C1 Binary Interaction Parameter 
H1 0.04394 
H2 0.05428 
H3 0.06913 
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correlation (Kesler and Lee, 1976) was used to determine w for each pseudo-component.  

Whitson (1984) gives a detailed discussion of these correlations.   

The methane-C7+ binary interaction parameters are calculated based on a 

correlation presented by Nghiem et al. (1986).  These parameters are based on pure 

components and therefore are tuned, along with Omega A and Omega B, to match PVT 

fluid properties. 

 
Tuning the Parameters of the 13-Component Model 
 

The cubic EoS cannot accurately predict the phase behavior of a hydrocarbon 

system without EoS parameter adjustment, otherwise known as “tuning” (Nitcha, 2001; 

Coats, 1985).  Tuning is required due to the semi-empirical basis of the EoS parameters 

for the derived C7+ pseudo-components (Nitcha, 2001).   

The three pseudo-components and their EoS parameters are combined with ten 

PVT reported pure components (CO2, N2, C1, C2, C3, IC4, NC4, IC5, NC5, C6) (Tables 2-

14, 2-15).  Pure component EoS parameters are from an internal database located in 

DESKTOP-PVT (DESKTOP-PVT Manual, 1996) and are also found in other texts 

(Ahmed, 1989).   

The 13-component EoS model is tuned to match the PVT properties of the 

reference well.  PVT property matches are accomplished through a perturbation analysis 

(Coats, 1985) on the C7+ pseudo-component parameters (Omega A, Omega B, and 

methane binary interaction parameters) (Tables 2-16, 2-17).  This perturbation minimizes 

the sum of the squared deviations between calculated and experimental PVT values.  The 

simulated property matches, for the reference well (A-2-BP), result in less than 6% 

deviation from the PVT data (Tables 2-19, 2-20).   
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Table 2-14: 13-Component Peng-Robinson EoS model for the A-2-BP 

 M.W. Tc (oF) Pc 
(psi) Zc w Omega  A Omega 

B Parachor Mole 
Fraction 

CO2 44.01 87.9 1070.9 0.2742 0.2225 0.4572356 0.077796 49.6 0.0010 
N2 28.013 -232.4 493.0 0.2910 0.0372 0.4572356 0.077796 35.0 0.0011 
C1 16.043 -116.6 667.8 0.2703 0.0126 0.4572356 0.077796 71.0 0.6398 
C2 30.07 90.1 707.8 0.2850 0.0978 0.4572356 0.077796 111.0 0.0397 
C3 44.097 206.0 616.3 0.2810 0.1541 0.4572356 0.077796 151.0 0.0338 
IC4 58.124 275.0 529.1 0.2830 0.1840 0.4572356 0.077796 191.0 0.0078 
NC4 58.124 305.7 550.7 0.2740 0.2015 0.4572356 0.077796 191.0 0.0164 
IC5 72.151 369.1 490.4 0.2730 0.2286 0.4572356 0.077796 231.0 0.0080 
NC5 72.151 385.7 488.6 0.2620 0.2524 0.4572356 0.077796 231.0 0.0101 
C6 86.178 453.7 436.9 0.3878 0.2998 0.4572356 0.077796 271.0 0.0253 
H1 159.85 709.6 333.8 0.2710 0.5021 0.4572356 0.077796 508.0 0.1184 
H2 271.01 990.6 192.8 0.2119 0.7623 0.4572356 0.077796 820.3 0.0213 
H3 493.72 1359.0 183.8 0.2899 1.2217 0.4572356 0.077796 1635.0 0.0773 

 
Table 2-15: Binary interaction parameters for the 13-component model 

 CO2 N2 C1 C2 C3 IC4 NC4 IC5 NC5 C6 H1 H2 
N2 0.0            
C1 0.15 0.0           
C2 0.15 0.12 0.0          
C3 0.15 0.12 0.0 0.0         
IC4 0.15 0.12 0.02 0.01 0.01        
NC4 0.15 0.12 0.02 0.01 0.01 0.0       
IC5 0.15 0.12 0.02 0.01 0.01 0.0 0.0      
NC5 0.15 0.12 0.02 0.01 0.01 0.0 0.0 0.0     
C6 0.15 0.12 0.025 0.01 0.01 0.0 0.0 0.0 0.0    
H1 0.15 0.12 0.04394 0.01 0.01 0.0 0.0 0.0 0.0 0.0   
H2 0.15 0.12 0.05428 0.01 0.01 0.0 0.0 0.0 0.0 0.0 0.0  
H3 0.15 0.12 0.06913 0.01 0.01 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
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Table 2-16: Tuned 13-component EoS model for the A-2-BP.  Tuned values are in bold. 

 M.W. Tc (oF) Pc 
(psi) Zc w Omega  A Omega B Parachor Mole 

Fraction 
CO2 44.01 87.9 1070.9 0.2742 0.2225 0.4572356 0.077796 49.60 0.0010 
N2 28.013 -232.4 493.0 0.2910 0.0372 0.4572356 0.077796 35.00 0.0011 
C1 16.043 -116.6 667.8 0.2703 0.0126 0.4572356 0.077796 71.00 0.6398 
C2 30.07 90.1 707.8 0.2850 0.0978 0.4572356 0.077796 111.00 0.0397 
C3 44.097 206.0 616.3 0.2810 0.1541 0.4572356 0.077796 151.00 0.0338 
IC4 58.124 275.0 529.1 0.2830 0.1840 0.4572356 0.077796 191.00 0.0078 
NC4 58.124 305.7 550.7 0.2740 0.2015 0.4572356 0.077796 191.00 0.0164 
IC5 72.151 369.1 490.4 0.2730 0.2286 0.4572356 0.077796 231.00 0.0080 
NC5 72.151 385.7 488.6 0.2620 0.2524 0.4572356 0.077796 231.00 0.0101 
C6 86.178 453.7 436.9 0.3878 0.2998 0.4572356 0.077796 271.00 0.0253 
H1 159.85 709.6 333.8 0.2710 0.5021 0.3512520 0.054459 508.0 0.1184 
H2 271.01 990.6 192.8 0.2119 0.7623 0.3200690 0.072783 820.3 0.0213 
H3 493.72 1359.0 183.8 0.2899 1.2217 0.320202 0.079184 1635.0 0.0773 

 

Table 2-17: Tuned binary interaction parameters for the 13-component model.  Tuned values are in 
bold. 

 CO2 N2 C1 C2 C3 IC4 NC4 IC5 NC5 C6 H1 H2 
N2 0.0            
C1 0.15 0.0           
C2 0.15 0.12 0.02          
C3 0.15 0.12 0.02 0.0         
IC4 0.15 0.12 0.02 0.01 0.01        
NC4 0.15 0.12 0.02 0.01 0.01 0.0       
IC5 0.15 0.12 0.02 0.01 0.01 0.0 0.0      
NC5 0.15 0.12 0.02 0.01 0.01 0.0 0.0 0.0     
C6 0.15 0.12 0.025 0.01 0.01 0.0 0.0 0.0 0.0    
H1 0.15 0.12 0.19073 0.01 0.01 0.0 0.0 0.0 0.0 0.0   
H2 0.15 0.12 0.07092 0.01 0.01 0.0 0.0 0.0 0.0 0.0 0.0  
H3 0.15 0.12 0.02021 0.01 0.01 0.0 0.0 0.0 0.0 0.0 0.0 0.0 
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Table 2-18: 13-component model compositions from PVT data and derived pseudo-component 
compositions 

Name A-3-BP A-1 A-2-BP A-5BP A-4-BP 
CO2 0.0016 0.0011 0.0010 0.0010 0.0009 
N2 0.0011 0.0011 0.0011 0.0025 0.0009 
C1 0.6729 0.6695 0.6398 0.6147 0.6038 
C2 0.0413 0.0413 0.0397 0.0400 0.0347 
C3 0.0324 0.0333 0.0338 0.0353 0.0332 
IC4 0.0072 0.0075 0.0078 0.0082 0.0085 
NC4 0.0149 0.0162 0.0164 0.0175 0.0175 
IC5 0.0072 0.0076 0.0080 0.0088 0.0087 
NC5 0.0090 0.0093 0.0101 0.0110 0.0107 
C6 0.0174 0.0222 0.0253 0.0243 0.0251 
H1 0.1155 0.1140 0.1184 0.1222 0.1260 
H2 0.0190 0.0139 0.0213 0.0235 0.0250 
H3 0.0605 0.0630 0.0773 0.0910 0.1050 

 

 
Table 2-19: Reported PVT sample properties at reservoir conditions 

Well Depth 
(ft.) Reservoir 

Bubble
Point 
(psi) 

Bo 
(Res. 

Bbl/STB) 

Differential 
GOR 

(SCF/STB) 

Viscosity 
(cp) 

Density 
(gm/cc) 

Multi-Stage 
Separator 

GOR 
(SCF/STB) 

A-3-BP 11463.4 J2-RB 8100 1.7670 1752 0.561 0.6624 1541 
A-1 11562.2 J1-RB 7926 1.6553 1540 0.577 0.6918 1469 
A-2-BP 11886.6 J2-RB 7038 1.5948 1328 0.852 0.7181 1234 
A-5-BP 12099.2 J2-RB 6125 1.4770 1118 0.899 0.7246 1096 
A-4-BP 12300.7 J2-RB 5800 1.4151 971 1.214 0.7329 840 

 
 

Table 2-20: Tuned 13-component model fluid properties at reservoir conditions 

Well Depth 
(ft.) Reservoir 

Bubble
Point 
(psi) 

Bo 
(Res. 

Bbl/STB) 

Differential 
GOR 

(SCF/STB) 

Viscosity 
(cp) 

Density 
(gm/cc) 

Multi-Stage 
Separator 

GOR 
(SCF/STB) 

A-3-BP 11463.4 J2-RB 8143 1.7002 1717 0.623 0.6970 1530 
A-1 11562.2 J1-RB 8148 1.7100 1733 0.669 0.7020 1538 
A-2-BP 11886.6 J2-RB 6935 1.5716 1399 0.847 0.7264 1236 
A-5-BP 12099.2 J2-RB 6299 1.4823 1196 1.041 0.7459 1069 
A-4-BP 12300.7 J2-RB 5914 1.4133 1039 1.249 0.7623 941 
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The tuned 13-component EoS model is applied to the compositions of the other 

PVT samples (A-3-BP, A-1, A-5-BP, A-4-BP) (Table 2-18).  The modeled fluid 

properties show similar trends to the PVT properties (Figs. 2-15 through 2-20, Tables 2-

19, 2-20).  Modeled values of bubble point pressure (Figure 2-15), differential GOR 

(Figure 2-16) formation volume factor (Figure 2-17), density (Figure 2-18), viscosity 

(Figure 2-19), and multi-stage separator GOR (Figure 2-20) match PVT data well.  

Simulated density values are consistently higher than PVT data, but deviate by less than 

6%. 

Modeled values for the A-1 PVT sample (J1-RB reservoir) deviate more than 

other samples (Figs. 2-15 through 2-20).  This is an expected result based on the A-1 

PVT reported C7+ mole fraction (Figure 2-4, Table 2-2), which does not lie within the 

gradational trend. 

 
Lumping the 13-Component Model into a 5-Component Model 

 
The 13-component EoS model is “lumped” into a 5-component model to reduce 

model complexity (Tables 2-21, 2-22).  The lumping scheme (Tables 2-23, 2-24) is based 

on similarity in volatility as presented by Li et al. (1985).  Other workers have used 

similar lumping schemes (Coats, 1985; Wu et al., 1988; Newley et al., 1991).  Hong 

(1982) suggested that a good match between unlumped and lumped phase envelopes 

indicated that a proper number of pseudo-components were used.  The success 

demonstrated in matching the fluid properties suggests that 5 pseudo-components (Figure 

2-21) effectively represent the 13-component system. 
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Figure 2-15: Depth versus bubble point pressure comparison for the tuned 13-component model 
(Tables 2-19, 2-20).  Matches are at reservoir temperature (Table 2-1).  Data values, from top to 
bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations. 
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Figure 2-16: Depth versus differential test GOR comparison for the tuned 13-component model 
(Tables 2-19, 2-20).  Matches are at reservoir temperature and pressure (Table 2-1).  Data values, 
from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations. 



 34

11400

11600

11800

12000

12200

12400
1.4 1.5 1.6 1.7 1.8

Formation Volume Factor (Res. Bbl/STB)

SS
TV

D
 (f

t.)

PVT Data
13 Comp. Model

 
Figure 2-17: Depth versus differential test formation volume factor (Bo) comparisons for the tuned 
13-component model (Tables 2-19, 2-20).  Matches are at reservoir temperature and pressure (Table 
2-1).  Data values, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample 
locations. 
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Figure 2-18: Depth versus differential test density comparison for the tuned 13-component model 
(Tables 2-19, 2-20).  Matches are at reservoir temperature and pressure (Table 2-1).  Data values, 
from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations. 
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Figure 2-19: Depth versus differential test viscosity comparison for the tuned 13-component model 
(Tables 2-19, 2-20).  Matches are at reservoir temperature and pressure (Table 2-1).  Data values, 
from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations. 
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Figure 2-20: Depth versus multi-stage separator GOR comparison for the tuned 13-component 
model (Tables 2-19, 2-20).  Matches are at reservoir temperature and pressure (Table 2-1).  Data 
values, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations.  
The multi-stage separator is a 5 stage separator system (Table 2-10). 



 36

0

1000

2000

3000

4000

5000

6000

7000

8000

9000

10000

0 200 400 600 800 1000

Temperature (F)

Pr
es

su
re

 (P
si

a)

Critical 
Point

A-2-BP Reservoir 
Temp. & Pres. 

Bubble Pt.

L.F. = 0.75

L.F. = 0.50

L.F. = 0.25

L.F. = 0.00

L.F. = 1.00

13 Comp. Model
5 Comp. Model

 
Figure 2-21: Comparison of phase envelopes for the lumped and unlumped A-2-BP fluid models.  
The phase envelopes and liquid mole fraction (L.F.) quality lines match well.  The quality lines are 
for liquid mole fractions of 1.0 (bubble point), 0.75, 0.50, 0.25, and 0.0.  The A-2-BP reservoir 
temperature (165oF) and pressure (8504 psi) are reported in Table 2-1.  The critical point is at 750 oF 
and 3950 psi  
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Table 2-21: Lumped 5-component EoS model for the A-2-BP 

Name M.W. Tc (oF) Pc 
(psi) Zc w Omega 

A 
Omega 

B Parachor Mole 
Fraction 

C1A 16.06 -116.8 667.5 0.2890 0.0126 0.457062 0.077792 70.9 0.6409 
C2_C3 36.62 142.7 671.2 0.2870 0.1250 0.465263 0.078955 128.3 0.0745 
C4_C6 72.38 377.0 489.2 0.2728 0.2471 0.467900 0.079071 231.7 0.0676 
Hvy1 176.76 752.4 312.3 0.2699 0.5416 0.397167 0.074053 555.5 0.1397 
Hvy2 493.72 1359.0 183.8 0.2899 1.2217 0.320202 0.074041 1635.0 0.0773 

 

Table 2-22: Lumped binary interaction parameters for the 5-component model 

 C1A C2_C3 C4_C6 Hvy1 
C2_C3 0.00001    
C4_C6 0.02219 0.00993   
Hvy1 0.161365 0.00993 0.0  
Hvy2 0.020191 0.00993 0.0 0.0 

 
Table 2-23: Lumping scheme for EoS model 

Lumped Pseudo-Component Original Components 
C1A           C1 + N2 
C2_C3 C2 + C3 + CO2 
C4_C6  NC4 + IC4 + NC5 + IC5 +C6 
Hvy1 H1 + H2 
Hvy2 H3 

 

Table 2-24: Lumped compositions for sample wells 

Name A-3-BP A-1 A-2-BP A-5BP A-4-BP 
C1A 0.6740 0.6706 0.6409 0.6172 0.6047 

C2_C3 0.0753 0.0757 0.0745 0.0763 0.0688 
C4_C6 0.0557 0.0628 0.0676 0.0698 0.0705 
Hvy1 0.1345 0.1279 0.1397 0.1457 0.1510 
Hvy2 0.0605 0.0630 0.0773 0.0910 0.1050 
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The fluid properties of the lumped model have the same trends as that of the 13-

component model (Figs. 2-22, through 2-27, Tables 2-20, 2-25).  Modeled values for the 

bubble point pressure (Figure 2-22), differential GOR (Figure 2-23) formation volume 

factor (Figure 2-24), density (Figure 2-25), viscosity (Figure 2-26), and multi-stage 

separator GOR (Figure 2-27) match well.   

Simulated properties deviate more for updip wells (A-1 and A-3-BP) (Figs. 2-22 

through 2-27).  These deviations are less than 5%, except for the A-1 bubble point 

pressure (5.7%) (Tables 2-19, 2-25).  An increase in the number of pseudo-components 

can decrease this deviation at a cost of increased computational time.  

 
Adjustment of Fluid Composition to Match Initial Producing GOR 
 

The mole fractions of the 5 pseudo-components are adjusted to match the initial 

producing GOR (Figs. 2-28, 2-29, 2-30, Tables 2-24, 2-26, 2-27).  The adjustments 

consisted of decreasing the C1A (5%), increasing the Hvy1 (13%), and increasing the 

Hvy2 (13%) mole fractions (Figs. 2-28, Tables 2-24, 2-26).  The Hvy1 and Hvy2 mole 

fraction values are increased proportionally by weight percent.  Larger deviations in GOR 

(A-5-BP) result in a large adjustment of the methane and the C7+ mole fractions (C1A = 

4.9%, Hvy1 and Hvy2 = 12.7%).  Smaller deviations in GOR (A-1) result in a small 

adjustment of the methane and the C7+ mole fractions (C1A = 0.7%, Hvy1 and Hvy2 = 

2.6%). 

The adjustment of the mole fractions allow for a match of initial producing GOR 

but not the remaining PVT fluid properties. The overall effect of this adjustment is a 

heavier hydrocarbon at all locations than is reported in the PVT data (lower GOR, Psat, 

Bo, and higher density, viscosity). 
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Figure 2-22: Depth versus bubble point pressure for the 5-component and 13-component models 
(Tables 2-20, 2-25).  Comparisons show a good match for the two models.  Data values, from top to 
bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations. 
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Figure 2-23: Depth versus differential test GOR for the 5-component and 13-component models 
(Tables 2-20, 2-25).  Data values, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and 
A-4-BP sample locations. 
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Figure 2-24: Depth versus differential test formation volume factor (Bo) for the 5-component and 13-
component models (Tables 2-20, 2-25).  Bo comparisons show a good match for the two models.  Data 
values, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations.  
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Figure 2-25: Depth versus differential test density for the 5-component and 13-component models 
(Tables 2-20, 2-25).  Density comparisons show a good match for the two models.  Data values, from 
top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations. 
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Figure 2-26: Depth versus differential test viscosity for the 5-component and 13-component models 
(Tables 2-20, 2-25).  Viscosity comparisons show a good match for the two models.  Data values, from 
top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP PVT sample locations. 
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Figure 2-27: Depth versus multi-stage separator GOR for the 5-component and 13-component 
models (Tables 2-20, 2-25).  Data values, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-
BP, and A-4-BP PVT sample locations.  The multi-stage separator is a 5-stage separator system 
(Table 2-10). 
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Figure 2-28: C1A and C7+ pseudo-component mole fraction versus depth [C7+ = Hvy1 + Hvy2] 
(Tables 2-24, 2-26).  Mole fractions are interpreted to be non-representative of the in-situ fluids and 
are adjusted to match producing GOR.  Data values, from top to bottom, are for the A-3-BP, A-1, A-
2-BP, A-5-BP, and A-4-BP sample locations.  
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Figure 2-29: Depth versus producing GOR and modeled multi-stage separator GOR (Tables 2-25, 2-
27).  Data values, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample 
locations. 
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Figure 2-30: Depth versus producing GOR and adjusted mole fraction multi-stage separator GOR 
(Table 2-27).  The mole fractions for the 5-component lumped model are adjusted (Figure 2-28) such 
that the producing GOR is matched.  Large differences in GOR (A-3-BP, A-5-BP, and A-4-BP) result 
in large changes in C1 and C7+ pseudo-component mole fractions as observed in Figure 2-28.  Data 
values, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations. 
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Table 2-25: Lumped 5-component model fluid properties at reservoir conditions 

Well Depth 
(ft.) Reservoir 

Bubble
Point 
(psi) 

Bo 
(Res. 

Bbl/STB) 

Differential 
GOR 

(SCF/STB) 

Viscosity 
(cp) 

Density 
(gm/cc) 

Multi-Stage 
Separator 

GOR 
(SCF/STB) 

A-3-BP 11463.4 J2-RB 7890 1.6879 1687 0.614 0.6960 1517 
A-1 11562.2 J1-RB 7682 1.6911 1688 0.632 0.6984 1503 
A-2-BP 11886.6 J2-RB 6848 1.5735 1405 0.847 0.7264 1237 
A-5-BP 12099.2 J2-RB 6257 1.4862 1203 1.056 0.7467 1073 
A-4-BP 12300.7 J2-RB 5918 1.4171 1046 1.273 0.7635 946 

 

Table 2-26: Adjusted mole fraction results for producing GOR match   

 A-3-BP A-1 A-2-BP A-5-BP A-4-BP 
C1A 0.6620 0.6656 0.6319 0.5872 0.5807 

C2_C3 0.0753 0.0757 0.0745 0.0763 0.0688 
C4_C6 0.0557 0.0628 0.0676 0.0698 0.0705 
Hvy1 0.14278 0.13125 0.14544 0.16418 0.16516 
Hvy2 0.06422 0.06465 0.08056 0.10252 0.11484 

 

Table 2-27: Comparison of adjusted mole fraction multi-stage separator GOR to producing GOR 

Well Depth 
(ft.) Reservoir 

Producing 
GOR 

(SCF/STB) 

Multi-Stage 
Separator GOR 

(SCF/STB) 
A-3-BP 11463.4 J2-RB 1410 1407.6 
A-1 11562.2 J1-RB 1460 1455.9 
A-2-BP 11886.6 J2-RB 1175 1173.9 
A-5-BP 12099.2 J2-RB 900 913.0 
A-4-BP 12300.7 J2-RB 830 834.0 



 45

Compositional Equilibrium 
 

The fluids of the J2-RB are not in an equilibrium state (Ratulowski et al., 2000).  

Hirschberg (1988) stated that the time for fluids, not near the critical conditions, to 

achieve compositional equilibrium is influenced by asphaltenes.  Low diffusion rates of 

asphaltenes can result in compositional equilibrium times of a few million to a billion 

years (Hirschberg, 1988). 

Work by Bird et al. (1960), and Reerink (1973) is used to estimate the time for 

compositional equilibrium.  Calculations are based on published asphaltene data  

(molecular weight = 1000 to 10,000 gm/mole, density ~1200 kg/m3) (Hirschberg, 1988), 

a vertical reservoir thickness of 1400 ft. at a dip angle of 22o, reservoir temperature of 

165oF, and estimated deasphaltized oil viscosity of 0.4 cp.  The time for the J2-RB fluid 

to reach equilibrium ranges from 7.07 Ma to 15.22 Ma, which is two to three times older 

than the J-sands (3.35 Ma).  

 
Composition in Depth Scheme 
 
Composition versus Depth 
 

Linear trend lines were fit to the adjusted mole fractions to model the fluid 

properties for the depth range of the J1 and J2 RB reservoirs (Figs. 2-31 through 2-36, 

Table 2-28).  Further, an extrapolation of mole fractions updip beyond the last known set 

of mole fractions (A-3-BP) is performed using two methods; (a) along the same linear 

trend and (Table 2-29) (b) using a constant composition (Table 2-30).   

The linear trend lines are fit with a least-squares regression for the C1A (Figure 2-

31), C4_C6 (Figure 2-33), Hvy2 (Figure 2-36), and C7+ (Figure 2-34) pseudo-

component mole fractions [C7+ = Hvy1 + Hvy2].  Then, the C2_C3 (Figure 2-32) and  
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Figure 2-31: Depth versus C1A pseudo-component mole fractions with linear trend fit with a least 
squares regression.  The lumped mole fraction data, from top to bottom, are for the A-3-BP, A-1, A-
2-BP, A-5-BP, and A-4-BP sample locations (Table 2-26).  Modeled mole fraction data is found in 
Tables 2-28 and 2-29. 
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Figure 2-32: Depth versus C2-C3 pseudo-component mole fraction with back-calculated linear trend 
polynomial.  The lumped mole fraction data, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-
5-BP, and A-4-BP sample locations (Table 2-26).  The C2-C3 trend curve is calculated based on the 
sum of the pseudo-components equaling one [C2_C3 = 1.0 – (C1A + C4_C6 + C7+)].  Modeled mole 
fraction data is found in Tables 2-28 and 2-29. 
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Figure 2-33: Depth versus C4-C6 pseudo-component mole fraction with linear trend fit with a least 
squares regression.  The lumped mole fraction data, from top to bottom, are for the A-3-BP, A-1, A-
2-BP, A-5-BP, and A-4-BP sample locations (Table 2-26).  Modeled mole fraction data is found in 
Tables 2-28 and 2-29. 
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Figure 2-34: Depth versus C7+ pseudo-component mole fraction with linear trend fit with a least 
squares regression.  Pseudo-component mole fractions from Hvy1 and Hvy2 were summed to equal 
the mole fraction of C7+ [C7+ = Hvy1 + Hvy2].  The lumped mole fraction data, from top to bottom, 
are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-4-BP sample locations (Table 2-26).  Modeled mole 
fraction data is found in Tables 2-28 and 2-29. 
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Figure 2-35: Depth versus Hvy1 pseudo-component mole fraction with back-calculated linear trend.  
The lumped mole fraction data, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-BP, and A-
4-BP sample locations (Table 2-26).  The Hvy1 trend lines are calculated based on the summation of 
the Hvy1 and Hvy2 mole fractions equaling the C7+ mole fraction [Hvy1 = (C7+ - Hvy2)].  Modeled 
mole fraction data is found in Tables 2-28 and 2-29. 
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Figure 2-36: Depth versus Hvy2 pseudo-component mole fraction with linear trend fit with a least 
squares regression.  The lumped mole fraction data, from top to bottom, are for the A-3-BP, A-1, A-
2-BP, A-5-BP, and A-4-BP sample locations (Table 2-26).  Modeled mole fraction data is found in 
Tables 2-28 and 2-29.  
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Table 2-28: Linear coefficients for the 5 pseudo-components and C7+ mole fractions 

i a1i a2i 
C1A -1.1073E-04 1.93900 

C2_C3 -5.5240E-06 0.13965 
C4_C6 1.6024E-05 -0.12480 
Hvy1 3.6944E-05 -0.28849 
Hvy2 6.3283E-05 -0.66533 
C7+ 1.0023E-04 -0.95382 

 

Table 2-29: Modeled mole fractions for linear composition extrapolation model. 

Depth C1A C2_C3 C4_C6 Hvy1 Hvy2 
10750 0.74866 0.08027 0.04745 0.10866 0.01496 
10800 0.74312 0.07999 0.04826 0.11051 0.01813 
10850 0.73758 0.07971 0.04906 0.11235 0.02129 
10900 0.73205 0.07944 0.04986 0.11420 0.02445 
10950 0.72651 0.07916 0.05066 0.11605 0.02762 
11000 0.72097 0.07888 0.05146 0.11789 0.03078 
11050 0.71544 0.07861 0.05226 0.11974 0.03395 
11100 0.70990 0.07833 0.05306 0.12159 0.03711 
11150 0.70436 0.07806 0.05386 0.12344 0.04027 
11200 0.69883 0.07778 0.05467 0.12528 0.04344 
11250 0.69329 0.07750 0.05547 0.12713 0.04660 
11300 0.68776 0.07723 0.05627 0.12898 0.04977 
11350 0.68222 0.07695 0.05707 0.13082 0.05293 
11400 0.67668 0.07668 0.05787 0.13267 0.05610 
11450 0.67115 0.07640 0.05867 0.13452 0.05926 
11500 0.66561 0.07612 0.05947 0.13637 0.06242 
11550 0.66007 0.07585 0.06027 0.13821 0.06559 
11600 0.65454 0.07557 0.06108 0.14006 0.06875 
11650 0.64900 0.07529 0.06188 0.14191 0.07192 
11700 0.64346 0.07502 0.06268 0.14376 0.07508 
11750 0.63793 0.07474 0.06348 0.14560 0.07824 
11800 0.63239 0.07447 0.06428 0.14745 0.08141 
11850 0.62686 0.07419 0.06508 0.14930 0.08457 
11900 0.62132 0.07391 0.06588 0.15114 0.08774 
11950 0.61578 0.07364 0.06668 0.15299 0.09090 
12000 0.61025 0.07336 0.06748 0.15484 0.09406 
12050 0.60471 0.07308 0.06829 0.15669 0.09723 
12100 0.59917 0.07281 0.06909 0.15853 0.10039 
12150 0.59364 0.07253 0.06989 0.16038 0.10356 
12200 0.58810 0.07226 0.07069 0.16223 0.10672 
12250 0.58256 0.07198 0.07149 0.16407 0.10989 
12300 0.57703 0.07170 0.07229 0.16592 0.11305 
12320 0.57481 0.07159 0.07261 0.16666 0.11432 
12350 0.57149 0.07143 0.07309 0.16777 0.11621 
12400 0.56596 0.07115 0.07389 0.16962 0.11938 
12415 0.56429 0.07107 0.07413 0.17017 0.12033 
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 Table 2-30: Modeled mole fractions for constant composition extrapolation model.  Bold values are 
mole fractions for the A-3-BP.   

Depth C1A C2_C3 C4_C6 Hvy1 Hvy2 
10750 0.66949 0.07632 0.05891 0.13507 0.06021 
10800 0.66949 0.07632 0.05891 0.13507 0.06021 
10850 0.66949 0.07632 0.05891 0.13507 0.06021 
10900 0.66949 0.07632 0.05891 0.13507 0.06021 
10950 0.66949 0.07632 0.05891 0.13507 0.06021 
11000 0.66949 0.07632 0.05891 0.13507 0.06021 
11050 0.66949 0.07632 0.05891 0.13507 0.06021 
11100 0.66949 0.07632 0.05891 0.13507 0.06021 
11150 0.66949 0.07632 0.05891 0.13507 0.06021 
11200 0.66949 0.07632 0.05891 0.13507 0.06021 
11250 0.66949 0.07632 0.05891 0.13507 0.06021 
11300 0.66949 0.07632 0.05891 0.13507 0.06021 
11350 0.66949 0.07632 0.05891 0.13507 0.06021 
11400 0.66949 0.07632 0.05891 0.13507 0.06021 
11465 0.66949 0.07632 0.05891 0.13507 0.06021 
11500 0.66561 0.07612 0.05947 0.13637 0.06242 
11550 0.66007 0.07585 0.06027 0.13821 0.06559 
11600 0.65454 0.07557 0.06108 0.14006 0.06875 
11650 0.64900 0.07529 0.06188 0.14191 0.07192 
11700 0.64346 0.07502 0.06268 0.14376 0.07508 
11750 0.63793 0.07474 0.06348 0.14560 0.07824 
11800 0.63239 0.07447 0.06428 0.14745 0.08141 
11850 0.62686 0.07419 0.06508 0.14930 0.08457 
11900 0.62132 0.07391 0.06588 0.15114 0.08774 
11950 0.61578 0.07364 0.06668 0.15299 0.09090 
12000 0.61025 0.07336 0.06748 0.15484 0.09406 
12050 0.60471 0.07308 0.06829 0.15669 0.09723 
12100 0.59917 0.07281 0.06909 0.15853 0.10039 
12150 0.59364 0.07253 0.06989 0.16038 0.10356 
12200 0.58810 0.07226 0.07069 0.16223 0.10672 
12250 0.58256 0.07198 0.07149 0.16407 0.10989 
12300 0.57703 0.07170 0.07229 0.16592 0.11305 
12320 0.57481 0.07159 0.07261 0.16666 0.11432 
12350 0.57149 0.07143 0.07309 0.16777 0.11621 
12400 0.56596 0.07115 0.07389 0.16962 0.11938 
12415 0.56429 0.07107 0.07413 0.17017 0.12033 
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Hvy1 (Figure 2-35) pseudo-component mole fractions are calculated; [C2_C3 = 1.0 – 

(C1A + C4_C6 + C7+)] and [Hvy1 = (C7+) - Hvy2]. 

The mole fraction (n) for each pseudo-component ‘i’ for depth (z) is defined by a 

linear polynomial (Equations 2-1) (Tables 2-29, and 2-30). 

iii azan 21 +=  (2-1) 

  

where ‘ni’ is the mole fraction of the ith component, ‘a1i, a2i’ are the coefficients of the ith 

component (Table 2-28), and ‘z’ is depth in feet (positive). 

Results - Property Comparison 
 
The fluid properties, for the J1 and J2 RB reservoirs are predicted, using the two 

mole fraction extrapolation models (Figs. 2-37 through 2-41, Tables 2-31, 2-32).  The 

fluid properties from the two models are the same for the known data range, and deviate, 

updip, beyond the last known PVT sample (A-3-BP).  An initial two-phase region is 

predicted for the linear mole fraction extrapolation model above 11300 ft., SSTVD.  The 

constant composition extrapolation model predicts the undersaturated condition for all 

depth.  Both models predict the producing GOR for the known data range well, as 

expected. 

These results describe two initial fluid conditions that may exist in the J1 and J2 

RB reservoirs.  These fluid models are used as inputs for simulation to determine the best 

mole fraction model.   
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Figure 2-37: Depth vs. modeled bubble point pressure for both linear and constant mole fraction 
extrapolations (Tables 2-30, 2-31).  The linear extrapolation model predicts the presence of an updip 
two-phase region (above the point where the reservoir pressure intersects the saturation pressure) 
while the constant composition extrapolation designated the reservoir as entirely undersaturated. 
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Figure 2-38: Depth vs. modeled multi-stage separator GOR for both linear and constant mole 
fraction extrapolations (Tables 2-30, 2-31).  Both models predict producing GOR well within the 
region of well data.  Producing GOR data, from top to bottom, are for the A-3-BP, A-1, A-2-BP, A-5-
BP, and A-4-BP sample locations (Table 2-5). 
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Figure 2-39: Depth vs. modeled density for both linear and constant mole fraction extrapolations 
(Tables 2-30, 2-31).   
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Figure 2-40: Depth vs. modeled formation volume factor (Bo) for both linear and constant mole 
fraction extrapolations (Tables 2-30, 2-31).   
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Figure 2-41: Depth vs. modeled viscosity for both linear and constant mole fraction extrapolations 
(Tables 2-30, 2-31).   
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Table 2-31: Modeled fluid properties for the linear composition extrapolation model 

Depth 
(ft.) 

Reservoir 
Pressure 

(psi) 

Bubble Point 
Pressure 

(psi) 

Multi-Stage 
Separator GOR 

(SCF/STB) 

Bo 
(Res. 

Bbl/STB) 

Density 
(gm/cc) 

Viscosity 
(cp) 

10750 8085.0 10402.0 3179.1 1.942 0.643 0.341 
10900 8140.8 9835.4 2618.6 1.9 0.654 0.387 
11050 8196.6 9242.2 2211 1.872 0.662 0.423 
11200 8252.4 8665.0 1901.4 1.851 0.668 0.454 
11300 8289.6 8295.0 1733.1 1.818 0.675 0.489 
11450 8345.4 7769.0 1522.9 1.721 0.693 0.588 
11600 8401.2 7277.0 1350.9 1.629 0.712 0.718 
11750 8457.0 6817.0 1207.6 1.556 0.729 0.863 
11900 8512.8 6387.0 1086.2 1.496 0.744 1.019 
12050 8568.6 5986.0 982.2 1.446 0.758 1.186 
12200 8624.4 5611.0 892.1 1.404 0.77 1.363 
12300 8661.6 5374.9 838.4 1.379 0.778 1.486 
12350 8680.2 5260.8 813.3 1.368 0.781 1.549 
12415 8704.4 5115.9 782.1 1.353 0.786 1.632 

 

Table 2-32: Modeled fluid properties for the constant composition extrapolation model  

Depth 
(ft.) 

Reservoir 
Pressure 

(psi) 

Bubble Point 
Pressure 

(psi) 

Mulit-Stage 
Separator GOR 

(SCF/STB) 

Bo 
(Res. 

Bbl/STB) 

Density 
(gm/cc) 

Viscosity 
(cp) 

10750 8085.0 7718.6 1504.2 1.694 0.697 0.61 
10900 8140.8 7718.6 1504.2 1.693 0.697 0.614 
11050 8196.6 7718.6 1504.2 1.692 0.698 0.618 
11200 8252.4 7718.6 1504.2 1.691 0.698 0.622 
11300 8289.6 7718.6 1504.2 1.69 0.698 0.626 
11465 8351.0 7718.6 1504.2 1.689 0.699 0.629 
11600 8401.2 7277.0 1350.9 1.629 0.712 0.718 
11750 8457.0 6817.0 1207.6 1.556 0.729 0.863 
11900 8512.8 6387.0 1086.2 1.496 0.744 1.019 
12050 8568.6 5986.0 982.2 1.446 0.758 1.186 
12200 8624.4 5611.0 892.1 1.404 0.77 1.363 
12300 8661.6 5374.9 838.4 1.379 0.778 1.486 
12350 8680.2 5260.8 813.3 1.368 0.781 1.549 
12415 8704.4 5115.9 782.1 1.353 0.786 1.632 

 



 56

Conclusions 
 

A compositional fluid model was constructed to establish original fluids in place 

and model fluid dynamics for reservoir simulation of the J1 and J2 sands.  Vertical 

variations in GOR and saturation pressure are the basis for use of a compositional model.   

The J-sand fluids are characterized.  The J2-RB fluid samples show a consistent 

trend in composition and fluid properties and are in pressure communication.  Based on 

these observations the J2-RB fluids are interpreted to represent a compositionally graded 

reservoir.  Composition and fluid properties from a sample in the J1-RB lie within the 

same trends as the J2-RB and are interpreted to be similar.  The variation in composition 

with depth is assumed to be due to gravitational segregation.  

The J3 and J4 reservoir fluids are different based on fluid properties, 

compositions, and production data. 

An Equation of State fluid model is constructed based on middip PVT sample 

fluid properties from the J2-RB.  Use of a mid-dip sample assumes that the sample is an 

average representative sample. 

Methane and C7+ mole fractions are adjusted to account for differences between 

producing GOR and PVT sample separator GOR, thus creating a heavier fluid than is 

recorded in the PVT data.  Based on this the PVT sample properties are interpreted to be 

non-representative of the in-situ fluids.   

Adjusted mole fractions are fitted with a linear trend in the known data range and 

extrapolated in two extreme fashions to enable fluid property predictions for all depth.  

Both models are used to determine a mole fraction in depth model that best describe the 

in-situ fluids and fluid behavior through time. 
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